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In-Situ Combustion 

Injector Well  
Tubing Failure 
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Oil & Natural Gas Corp., Ltd., Panvel, Navi Mumbai, India 

 Severe plugging of in-situ combustion injector  
 wells was found within 15 months of their 
commissioning in an on-land oil field in western India. 
Laboratory investigations were made to establish the 
cause and identify remedial measures. The tubing 
sections in the vicinity of the combustion front were 
exposed to an aggravated oxidation environment followed 
by moisture and oxygen intrusion through corrosion 
product. This triggered conversion of magnetite into 
porous, nonprotective hematite. The corrosion inhibitor 
treatment in the wet phase was found to be ineffective.  
A large amount of loosely bound corrosion product 
accumulated at the bottom of the hole during air/water 
injection. This plugged the well. Suitable well completion 
for the operating conditions was designed to prevent 
future failures.

I
n-situ combustion for enhanced oil 
recovery (EOR) has been opera-
tional at an on-land oil field in 
western India since 1997. In-situ 
combustion is one of the tech-
niques for EOR from reservoirs of 
highly viscous crude oil. Within 15 

months of commissioning at some of the 
injector wells, the injection of air and 
water was blocked during the wet phase 
because of plugging of the wells. During 
work-over operations of these wells, severe 
corrosion was observed in the retrieved 
tubing. Failure analyses of two such well 
tubings (Wells A and B) were carried out 
to establish the cause of the premature 
failure and to identify suitable remedial 
measures. 

Experimental Procedures
Visual inspection

Specimens cut from the failed section 
of the tubing showed severe corrosion on 
the external surface (Figure 1). Tis led to 
penetration in many places, making the 
internal surface also vulnerable to corro-
sion. Te tubing was filled with reddish-
brown material, which fell off in bulk 
upon tapping the specimen (Figure 2). 
Tis is typical of carbon steel (CS) ex-
posed to high-temperature conditions. 
Black corrosion deposit was observed 
underneath the reddish-brown deposit at 
the interface with the base metal (Figure 
3). 

Nondestructive testing methods 
showed wall thickness loss in the range of 
40 to 70%, with external and internal wall 
thickness loss found to be in the range of 
30 to 60% and 10%, respectively. 

analysis of  

corrosion product

Chemical analysis of the corrosion 
product scraped from the internal surface 
of the tubing showed it to be composed 
of iron oxides. Te corrosion product 
characterization by x-ray diffraction 
(XRD) spectral studies revealed that the 
black corrosion product, which was 
strongly adhering to the base metal, was 
magnetite (Fe3O4) (Figure 4), and the 
outer heterogeneous and amorphous 
loosely bound reddish-brown porous layer 
was hematite (Fe2O3) (Figure 5). 

A large portion of magnetite had been 
converted into nonprotective hematite. 

analysis of injection water

Te results of chemical analysis of in-
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jection water showed a pH of 8.15, 1,275 
mg/L of bicarbonate, 70 mg/L of magne-
sium, 50 mg/L of sulfates, 170 mg/L of 
calcium, and 4,700 ppm of chloride. Te 
water is corrosive to CS in an oxidizing 
environment.

Metallographic studies of 

injector well tubing

Te results of elemental compositional 
analysis, micro-structural analysis, and a 
hardness test showed that the tubing ma-
terial conforms to the API 5 CT N-80 
steel specification. 

tensile testing 

Tensile testing carried out on the tub-
ing showed that the percentage of elonga-
tion was significantly lower than the 
specified value. Te tubing material might 
have lost its original elongation properties 
from exposure to high temperature. 

deterMination of 

corrosion rate

Laboratory simulation of the down 
hole water-wet dynamic condition was 
carried out by immersion of metal cou-
pons in a high-pressure, high-temperature 
(HPHT) autoclave PARR 4571, USA†. 
Te corrosion rate was determined by 
gravimetric weight loss measurement. 
Table 1 shows the results. 

From these results, it is observed that 
N-80 steel material is highly susceptible 
to corrosion in the operating conditions 
of the injector wells. Te corrosion in-
hibitor in use was found to be ineffec -
tive. API 5CT L-80 type 13 chromium  
steel has exhibited excellent corrosion 
resistance. 

Discussion
Te principle of in-situ combustion is 

to create combustion in an impregnated 
layer by burning some of the oil in place 
to facilitate the flow of the unburned frac-
tions. Tis is done by injecting air into 
the formation through perforated injector 
wells. Te process consists of two phases—
dry and wet. During the dry phase, com-

pressed air is injected through the annu-
lus, natural gas is passed through the 
tubing, and the burner, fitted at the bot-
tom of the tubing, is ignited. Te process 
continues for 20 to 25 days, which sets 
off combustion, and the flame becomes 
self-propagating after a given time. Te 
temperature reached at the combustion 
front lies between 400 and 600°C.1 Once 
the combustion front is formed and 

moves toward producing wells, injection 
of natural gas through tubing is stopped 
and only compressed air is injected 
through the annulus; this is continued for 
a few months. Te injected air enters the 
formation and assists in maintaining the 
temperature of the combustion front by 
burning with the heavier fractions of the 
crude oil. 

Once sufficient heat is generated and 
the viscous crude becomes lighter, the 
combustion front pushes the unburned 
fractions of the crude oil forward toward 
the producing wells; this process is known 
as forward combustion.1 

Te thermal efficiency of the operation 
is improved by water injection during the 
wet phase. Te wet phase commences 
with the injection of water for 24 h at a 
time, followed by compressed air injec-
tion for six days through the annulus. Tis 
cyclic process continues. During this 
phase, the injected water enters the forma-
tion and, as it flows toward the combus-
tion front, is converted into steam. Te 
heat is transported through the combus-
tion front by the steam. Te air that is 
injected for six days will assist further 
burning of remaining unburnt heavy oil 
in the reservoir. Wells A and B are two 
such wells where premature failure oc-
curred. Table 2 gives their histories. 

effect of operating 

conditions on  

corrosion phenoMena

Efect of High-Temperature  
Oxidation Environment

Down hole, during initiation of the 
combustion front in the vicinity of the 
burner (i.e., near the perforated zone), the 
temperature range of 400 to 600°C is 
expected.1 Te rate of oxidation for CS 
increases with increasing temperature, 
and the weight loss drastically increases 
above 540°C.2-3 At this vicinity, the N-80 
steel being CS oxidized forms Fe3O4 and 
Fe2O3 at temperatures <570°C.2-3 The 
retrieved tubing sections were found filled 
with corrosion products, namely Fe2O3, 
which is a loosely bound reddish-brown 
bulk material, and Fe3O4, which is a black 
deposit underneath the hematite at the †Trade name.

Severe corrosion—external surface. 

Formation of bulk corrosion product inside 
tubing.

Black corrosion deposit underneath the 
reddish-brown product.

FIGURE 1

FIGURE 2

FIGURE 3
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hematite and came in contact with the 
inner protective magnetite layer on the 
steel surface. Once the protective magne-
tite layer comes in contact with the injec-
tion water, the magnetite undergoes fur-
ther oxidation to hydrated oxide, which 
is nonprotective in nature. By adequate 
treatment of injection water with a suit-
able corrosion inhibitor, oxidation of the 
magnetite will be mitigated. As it was 
observed from the HPHT autoclave stud-
ies, the present inhibitor treatment was 
found to be ineffective.

Te analysis implies that the major 
contributions for severe corrosion of the 
tubing were initially caused by high- 
temperature oxidation of the tubing near 
the perforated zone. Tis was followed by 
corrosion during the dry phase from the 
presence of moisture in the injected air. 
Finally, further severe corrosion occurred 
during the wet phase (alternate water and 
air injection), because of oxidation of 
magnetite to porous hydrated oxides. Te 
corrosion inhibitor injected with water 
was found to be ineffective. Tis led to 
thinning of the external surface of the 
tubing and penetration of the tubing at 
severely corroded areas. The loosely 
bound corrosion product dropped into 
the bottom of the well and plugged the 
perforated area. Te water and air also 
entered into the tubing through the punc-
tured holes and led to internal corrosion 
of the tubing. 

Recommendations
Well design for the 

prevention of  

premature failures

Te most important alloying element 
for improving oxidation resistance is chro-
mium. For 0.5% molybdenum-contain-
ing steels, increasing chromium from 1 to 
9% significantly increases oxidation resis-
tance.2-3,5 Te 7Cr-0.5Mo and 9Cr-1Mo 
steels show negligible oxidation rates at 
temperatures up to 680 and 700°C, re-
spectively.2-3 Further increase in chro-
mium improves oxidation resistance even 
more. Stainless steel alloys contain a 
minimum of 11.5% Cr, sufficient to form 
a passive, self-healing surface film on the 

XRD of corrosion product—internal layer.

XRD of corrosion product—outer layer.

interface with the base metal. Tis implies 
that N-80 tubing steel had undergone 
high-temperature oxidation corrosion. 

Efect of Dry and Wet Phases  
on Corrosion

During the dry phase, the presence of 
moisture (20 to 30 ppm) in the air in-
jected into the annulus led to condensa-

tion of water on the existing oxidized 
high-temperature corrosion product 
(Fe3O4 and Fe2O3) on the tubing. Penetra-
tion of this water into the magnetite layer 
slowly converted the layer into nonprotec-
tive hematite.4 

During the wet phase, because of cyclic 
wetting, the injection water entered the 
outer layer of the porous nonprotective 

FIGURE 4

FIGURE 5
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metal.2-3,5-6 Based on the HPHT labora-
tory studies, it has been observed that 
13% Cr steel tubing material has a low 
corrosion rate. High-temperature oxida-
tion and severe corrosion were experi-
enced by the bottom-most 100- to 200-m 
portion of the tubing string in the case of 
in-situ combustion injector wells. 

Injector wells for combustion opera-
tions must be completed and equipped 
taking into consideration thermal con-
straints and corrosion problems.1,5 To 
mitigate such corrosion, a new well 
completion design having a combination 
of a bottom 200-m tubing string (next to 
the perforation) should be of 13% Cr 
steel with the remaining portion of N-80 
CS tubing. Te combination of 13% Cr 
steel and N-80 steel tubing can lead to 
galvanic corrosion at the joint. At gal-
vanic connections between dissimilar 
materials, it can be assumed that the local 
corrosion rate near the interface is ap-
proximately three times higher than the 
average corrosion rate, decreasing expo-
nentially away from the interface within 
a length of 5X pipe diameter.7 NORSOK 
Standard M-0017 specifies a nonconduct-
ing coating of high-temperature-resistant 
silicone-based paint on API 5CT L-80 
type 13 Cr steel extending at least 10 pipe 
diameters, preferably the first single joint 
length including its threaded portion 
connected to N-80 tubing.

It was recommended to cement the 
casing to the full depth for new injector 
wells to prevent the risk of gas loss into 
overlying permeable layers, along with 
centralizers to ensure the correct position 
of the casing in the borehole. Just like 
tubing, it was suggested to have 150 to 
200 m at the bottom of the casing fabri-
cated from an API 5CT L-80 13 Cr steel 
in new injector wells. To repair the failed 
injector wells, it was recommended that 
API 5CT L-80 13 Cr steel liner be in-
stalled for the bottom-most 150- to 
200-m interval.1,5 In addition, high-tem-
perature-resistant cement, such as thermal 
cements or calcium aluminate cements, 
must be used for the bottom-most 150 to 
200 m behind the liner. Figure 6 shows 
the suggested well completion diagram 

TAbLE 1

CORROSION RATES OF TubINg MATERIAL

   Operating Conditions Average Corrosion Rate 
 No. Coupon (60°C) (mm/y) 

 1 N-80 Untreated injection water 0.914 
 2 N-80 Injection water + inhibitor 0.625 
 3 13 Cr(A) Untreated injection water 0.040

(A)API 5CT L-80 Type 13 Cr steel

TAbLE 2

HISTORy OF FAILEd INjECTOR wELL TubINg

 Particulars         Data

 Injector well no.   A B 
 Drilled depth (m) 1,064.46 964.69 
 Casing size (dia) (in.) 7 7 
 Casing shoe depth (m) 1,064.64 964.69 
 Casing material specification J-55, 23 ppf BTC, 26 ppf 
 Tubing material specification N-80, 6.5 ppf N-80, 6.5 ppf 
 Details of perforation for injection (m) 958.5-960.5, 962.50-964.0 
  971-973 905-907 
 Dry phase period 7 months 11 months 
 Wet phase period elapsed before  9 months 5 months 
  observing plugging of well 
 Tubing failure location, from well head 882-900 m 939-957 m 
 Well head temperature °C 35-40 35-40 
 Down hole temperature °C 58-60 58-60 
 Air injection pressure (kg/m2) 90 90 
 Air injection quantity (M3/d) 80,000  63,000 
 Moisture in air (ppm) 20-30 20-30 
 Water injection (M3/d) 650 440 
 Corrosion inhibitor Water injection corrosion inhibitor (WIN)  WIN @ 20 ppm 
   @ 20 ppm 
 Biocide dosing for 6 h per week  140-160 ppm  140-160 ppm

Alternated use of aldehyde and amine-based biocides. In both cases, the tubing failures have been reported 
within 100 m from the perforation interval.

New well completion design for in-situ combustion injector well.

FIguRE 6
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for the in-situ combustion injector well.

Corrosion inhibition of 

the n-80 portion of  

Well Completion

Te injection water is to be treated 
with corrosion inhibitor formulations 
based on imidazoline to arrest further 
deterioration of the N-80 steel portion of 
the well. Tese generic types of corrosion 
inhibitors are known to imbed into cor-
rosion products to enhance the film im-
pedance so as to reduce the permeability 
to corrosive water, thereby preventing 
exposure of the bare steel surface. It was 
recommended to achieve 3 to 5 mils (76 
to 127 µm) of protective inhibitor film on 
the tubing surface to facilitate tough, 
high-impedance film formation from ini-
tial dosing, followed by maintenance dos-
ing to replenish a film thickness of 0.5 to 
1 mil (13 to 25 µm). Tis would be done 

during periodic dosing at three months 
and thereafter every six months. 

Conclusions
Severe plugging of injector wells 

within 15 months of commissioning is 
attributed to severe corrosion of N-80 
steel tubing in the vicinity of the combus-
tion front. Te tubing material was found 
to be highly susceptible to high-tempera-
ture oxidation during the combustion 
phase, followed by conversion of protec-
tive magnetite scale into heterogeneous 
hematite during the wet phase because of 
inhibitor nonperformance. A new well 
completion design consisting of API 5 CT 
L-80 type 13 chromium steel sections in 
the vicinity of the perforation was sug-
gested. A suitable corrosion inhibitor was 
recommended to protect the N-80 steel 
portion of the tubing. 
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